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ABSTRACT 
Salt precipitation during geological CO2 storage (GCS) in saline aquifers can 
impair the injectivity of large-scale projects. Laboratory studies indicate that 
this process is sensitive to capillary force, but scaling-up to field conditions is 
complex due to radial flow, gravity, and geological heterogeneity. This study 
utilizes 3D simulations to characterize salt precipitation mechanisms in 
realistic storage formations. Non-dimensional groups, e.g., capillary number 
(Ca) and gravity number (Gr), are used to characterize the relative impact of 
capillary, viscous, and gravity forces on salt formation. Three distinct regimes 
emerge for homogeneous systems: 1) capillary-dominated regime for Ca < 1 
with severe salt precipitation at the inlet; 2) viscous-dominated regime for Ca 
> 1 and Gr < 0.2 with low-to-moderate salt precipitation; and 3) gravity-
dominated regime for Ca > 1 and Gr > 0.2 where gravity override leads to 
localization of salt deposits inside the reservoir. The Ca-Gr regimes generally 
hold for heterogeneous systems. Additional complexity includes increased 
salt precipitation in high-permeability zones due to lower Ca enhanced by 
capillary-induced imbibition of saline water from low-permeability zones. 
Tortuous flow paths can also emerge, further exacerbating pressure build-
up. These novel characterizations can assist practitioners in designing 
mitigation strategies for injectivity impairment in large-scale operations. 
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1. INTRODUCTION 
Geological CO2 storage (GCS) is a mature technology for the mitigation of greenhouse gases with 
successful demonstration in 26 projects across different geological settings worldwide (17). The 
ability to sustain a desired injection rate over time, so-called injectivity, underpins the deployment 
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of CO2 storage technology on a large scale. Injectivity can suffer due to poor reservoir quality of 
the storage formation, either at the outset or over time, if the pore space becomes blocked by 
other mechanisms. Salt precipitation falls into the latter category, whereby water vaporizes into 
the dry injected CO2, leaving salt deposits that block the pore space and reduce permeability. The 
result is pressure build-up that can approach unsafe levels, causing a technical risk to the project. 
Experience gained with storage in saline aquifers has shown that many projects experience no 
noticeable injectivity problems (e.g., Sleipner storage project). However, salt precipitation has 
been documented in a few field cases (Ketzin (3) and Aquistore (35)) and required treatment in 
one notable case, i.e., Snøhvit CCS project (26). As treatment is costly, a reliable means for 
assessing the risk of salt precipitation is necessary in planning industrial-scale storage projects. It 
should be noted that salt precipitation in fractures that penetrate the caprock can block potential 
leakage pathways, thereby decreasing risk (13, 22).  

Comprehensive knowledge of the mechanisms controlling salt precipitation and injectivity 
impairment has been obtained through laboratory-scale studies of CO2 injection into centimeter-
scale core plugs or millimeter-scale micromodels. The reader is referred to the extensive literature 
review by Miri & Hellevang (19) and Cui et al. (6).  In bench-scale studies, constant total flow 
conditions are established by pumping CO2 at the inlet and allowing fluid to escape at the outlet. 
Observations of salt precipitation are well documented in these experiments and indicate that 
most salt is precipitated at the inlet (2, 24, 28). Factors such as salinity, temperature, pressure, and 
rock properties are important for determining the amount of salt precipitation (4, 40, 42). The 
resulting increase in pressure drop between the inlet and outlet is used to infer a reduction in 
permeability, up to several orders of magnitude in some studies (2, 11, 21, 25, 36). These studies 
also established a clear impact of capillarity: slower flow rates led to increased salt precipitation 
due to capillary-driven backflow, as observed in microfluidic experiments (1, 6, 12, 39). Numerical 
modeling studies have shown that, to properly investigate near-wellbore processes such as salt 
precipitation and to resolve the effects of different controlling parameters, high-resolution 
meshes are required in the vicinity of the injection well (20, 37).  

Simulation studies are fundamental for interpreting experimental observations, and several 
studies (25, 34) have validated existing models. However, larger-scale simulations are essential to 
uncover insights beyond the bench scale. Modeling salt precipitation in three-dimensional (3D) 
storage reservoirs is necessary to assess the impact of 1) radial flow conditions, 2) gravity, and 3) 
larger length scales. Under radial-flow conditions, the flow velocity decreases as the radial 
distance from the injection well increases. At the same time, gravity causes buoyant CO2 to rise 
upwards, displacing the resident brine downward. The full 3D effect leads to a spatial variation of 
the force balance, with viscous force prevailing near the wellbore and a transition to gravity and 
capillary dominance occurring tens to hundreds of meters into the reservoir (14, 27).  

The ultimate impact of 3D flow effects on salt precipitation is difficult to quantify due to the 
increasing number of sensitivities involved. Simulation studies have confirmed that capillary 
number is essential for field-scale salt precipitation through a clear dependence on injection rate 
and formation permeability (15, 18, 29, 31). The dependence on permeability implies that 
heterogeneity should play a role, but no studies have systematically explored this. The 
petrophysical properties, especially capillary entry pressure, significantly influence the salt 
precipitation driven by capillarity. Although water becomes immobile within fully developed dry-
out regions, capillary entry pressure remains important at the advancing dry-out front. In a recent 
study, the capillary entry pressure was shown to evolve dynamically due to a reduction in porosity 
and permeability caused by salt precipitation, leading to enhanced capillary imbibition and 
increased salt precipitation (5).   

With respect to gravity, it is more challenging to quantify the added influence from the available 
literature. A few studies (15, 31) have shown significant gravitational impacts, whereby salt 
precipitation becomes localized toward the bottom of the reservoir as CO2 rises to the top of the 
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formation. This localization phenomenon is linked to lower injection rates and higher 
permeability, i.e., low capillary numbers, but the increased buoyancy of lower-density CO2 also 
appears to play a role. Other studies report on the heterogeneous salt distribution (10, 23, 24) 
while others report that salt precipitates uniformly (25, 43). None of the above-mentioned studies 
has reported the information needed to define the factors that determine salt localization and 
how pressure build-up is affected. 

In summary, despite several field-scale simulation studies on salt precipitation, obtaining enough 
general insight to characterize and predict the risk of injectivity loss for any given combination of 
factors remains challenging. A general characterization should account for all properties that 
affect viscous, capillary, and gravity forces, e.g., injection rate, formation permeability, 
petrophysical properties of the storage formation, and the thermophysical properties of CO2, 
which depend dynamically on temperature and pressure. Furthermore, for more realistic settings, 
we must consider the influence of heterogeneity, in which one would expect local differences in 
the strength of capillary force due to changes in permeability. And finally, realistic operation of 
injection wells that adapt to the local pressure increase caused by salt precipitation and shift 
injection away from blocked zones.   

In this study, we develop a new approach to characterizing salt precipitation and subsequent 
impact on injectivity. Three non-dimensional groups are formulated - Capillary number (Ca), Bond 
number (Bo), and Gravity number (Gr) - that encompass the reservoir, fluid and petrophysical 
properties, as well as the injection rate, which together govern salt precipitation at field scale. We 
employ fine-scale simulations using TOUGH2-ECO2Na (30, 31) to quantify total salt precipitation, 
salt localization, and bottom-hole pressure build-up as a function of these non-dimensional 
groups. Here, fine-scale refers to the use of locally refined spatial discretization near the wellbore 
to resolve strong gradients in pressure and saturation, as well as salt precipitation. We begin with 
a simplified homogeneous reservoir model to establish a general baseline for capillary and gravity 
controls on salt precipitation. Next, we add more complexity to the model by introducing a realistic 
wellbore and reservoir heterogeneity.  Through this structured approach, we thoroughly 
investigate and quantify the interactions among the forces governing salt precipitation dynamics 
in CO2 storage contexts. The findings from this study are intended to support the industry in 
evaluating safe operational conditions and investigating preventive strategies. 

2. MODEL DESCRIPTION 

2.1. Conceptual Model 
Three regions are formed when less viscous, dry CO2 is injected into a saline aquifer, schematically 
illustrated in . Farthest away from the wellbore is Region I, which represents the undisturbed 
region that remains close to the initial conditions of the aquifer in terms of fluid saturation. Upon 
the commencement of injection, CO2 displaces brine and establishes a region of two-phase flow 
(Region II), where the CO2 is fully saturated with respect to water vapor. Over time, a third region 
evolves closest to the inlet, also known as the dry-out region, where residual brine has been 
completely evaporated by continuous injection of dry CO2, leaving behind precipitated salt.  

CO2 flow dynamics and salt precipitation are governed by three fundamental forces: viscous, 
capillary, and gravity (17). Viscous force, driven by pressure gradients or flow rates, is strongest 
near the wellbore and diminishes deeper into the reservoir (Regions II and III). It is possible to 
have sufficiently large viscous effects to overcome processes such as capillary backflow or 
gravitational override.   

 
a TOUGH: (Transport Of Unsaturated Groundwater and Heat) https://tough.lbl.gov/ ; 

https://tough.lbl.gov/assets/docs/TOUGH2_ECO2N_Users_Guide.pdf  
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On the other hand, capillary pressure is a diffusive force that seeks to disperse two fluids. 
Capillarity is an intrinsic property of the fluid-rock system. In a water-wet reservoir, capillary force 
can induce brine to flow counter-currently from Region II to Region III (the dry-out zone) via thin 
water films on rock grains. Capillary backflow allows considerable salt to be transferred from other 
regions and possibly precipitated in Region III.  Systems with higher capillarity, i.e., low-
permeability systems or significantly water-wet systems, tend to have greater potential for 
backflow when the viscous force is negligible.    

Finally, the gravity force is controlled mainly by density differences between CO2 and brine, while 
reservoir anisotropy governs how buoyance effects manifest through vertical and horizontal 
transmissibility. Due to the dependence of CO2 density on temperature and pressure, spatial and 
temporal variations in gravitational effects within the reservoir are expected. As CO2 migrates 
farther from the wellbore (Regions I and II), gravity plays an increasingly prominent role. CO2 will 
tend to rise to the top of the reservoir, while capillary force will retain it in a vertical zone below, 
called the capillary transition zone.  

Dimensionless groupings are valuable for evaluating the relative significance of these three forces 
on the onset, extent, and amount of salt precipitation. The Ca number determines the balance 
between viscous and capillary forces. The Bo number indicates the ratio of gravity to capillary 
forces. The Gr number captures the balance between the gravity and viscous forces. Various 
formulations are used in the literature to describe the Ca number (Eq. 1; 9), where we adopt the 
approach of (16), and Equation 2 and Equation 3 for Bo and Gr numbers, respectively. 

 

Figure 1: Schematic illustration of the formed flow zone and acting forces during axisymmetric CO2 
injection into a saline aquifer.  
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𝐶𝑎 =
𝑉𝑖𝑠𝑐𝑜𝑢𝑠 𝐹𝑜𝑟𝑐𝑒

𝐶𝑎𝑝𝑖𝑙𝑙𝑎𝑟𝑦 𝐹𝑜𝑟𝑐𝑒
=

𝜇𝐶𝑂2
. 𝑣𝑐𝑟 . 𝑙𝑐𝑟ℎ

𝐾. 𝑃𝑐𝑟

 
(1) 

𝐵𝑜 =
𝐺𝑟𝑎𝑣𝑖𝑡𝑎𝑡𝑖𝑜𝑛𝑎𝑙 𝐹𝑜𝑟𝑐𝑒

𝐶𝑎𝑝𝑖𝑙𝑙𝑎𝑟𝑦 𝐹𝑜𝑟𝑐𝑒
=

(𝜌𝑤 − 𝜌𝐶𝑂2
). 𝑔. 𝑙𝑐𝑟𝑣

𝑃𝑐𝑟

 
(2) 

𝐺𝑟 =
𝐵𝑜

𝐶𝑎
=

(𝜌𝑤 − 𝜌𝐶𝑂2
). 𝑔. 𝑙𝑐𝑟𝑣 . 𝐾

𝜇𝐶𝑂2
. 𝑣𝑐𝑟 . 𝑙𝑐𝑟ℎ

 
(3) 

Key parameters include 𝑣𝑐𝑟  (Darcy velocity), Pcr (entry capillary pressure), with gravitational 
acceleration coefficient, g rounded to 10 [m/s2]. The CO2 viscosity (𝜇𝐶𝑂2

) and density (𝜌𝐶𝑂2
) are 

6.35e-5 [Pa.sec] and 743 [kg/m3], respectively, while water density, 𝜌𝑤 , is 1000 [kg/m3]. The 
thermophysical properties of CO2 and brine used in this study correspond to the initial reservoir 
conditions, with a temperature of 60°C, and a pressure of 21.3 MPa. K is the reservoir absolute 
permeability.  The horizontal critical length (lcrh) used to compute the Ca number is set to 1 meter, 
representing a near-wellbore reference scale for evaluating viscous pressure gradients. This 
length represents a near-wellbore reference scale selected a priori and applied consistently across 
all cases to enable comparative analysis. While the spatial extent of viscous-capillary force 
competition may vary depending on fluid, reservoir, and operational properties, this interaction 
is primarily expressed within the near-wellbore region, typically over the first few meters from the 
injection point. Changing the characteristic length would alter the absolute value of the calculated 
Ca number; however, because the same reference length is applied consistently across all cases, 
the relative trends and classification in Ca–Gr space remain unchanged. Conversely, in calculating 
the Bo number, the vertical critical length (lcrv) is set to the reservoir thickness, reflecting the 
vertical scale over which buoyancy force acts.   

2.2. Numerical Model 
This study employs TOUGH2 for all simulations; however, DuMux (8) or OPM Flow (18) are also 
suitable choices. TOUGH2 solves the coupled mass and energy conservation equations using a 
fully implicit finite-volume formulation on a discretized spatial grid, with nonlinear systems solved 
via Newton-Raphson iteration. The ECO2N module (30) is utilized as the equation-of-state (EOS) 
package to model H2O–NaCl–CO2 mixtures and provides accurate phase property calculations 
within the relevant temperature, pressure, and salinity ranges. All simulations are transient and 
performed under isothermal conditions. Adaptive time stepping is employed, controlled by 
convergence criteria on mass and energy residuals.  

Salt is treated as a dissolved component in the aqueous phase. Salt precipitation occurs 
automatically when local brine salinity exceeds the solubility limit due to water evaporation during 
CO2 injection. Precipitated salt reduces porosity and permeability through the implemented 
porosity-permeability relationship; no additional empirical precipitation trigger or user-defined 
threshold is imposed. Relative permeability and capillary pressure (Pc) are described using the van 
Genuchten formulation. Details on the numerical model setup and input parameters are 
summarized in the Supplementary Material (Table S1 and Fig. S1; available online). 

To ensure meaningful comparison across cases with different injection rates, the total injected 
mass of CO2 is kept constant by adjusting the injection duration accordingly. A reference case 
injects CO2 at 11 kg/s continuously for one year. For cases in which the injection rate is increased 
or decreased by an order of magnitude, the injection duration is shortened or extended 
proportionally such that the same total mass of CO2 is injected in all simulations. Each simulation 
terminates once the prescribed injection period is complete. 

We note two modeling choices. First, conventional capillary pressure models typically do not 
describe the evolution of Pc at saturations below the irreducible water saturation, where dry-out 
and salt precipitation occur. The log-linear extension of the conventional curve closely matches 
the available data (38). However, in this study, we implement a threshold capillary pressure equal 
to 107 Pa on the standard van-Genuchten curve as a suitable alternative. Second, the relationship 
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between salt-induced porosity loss and permeability reduction is highly sensitive to the pore-size 
distribution (33), among other factors. In this study, we employed the tubes-in-series model, 
implemented within TOUGH2, to characterize this correlation. The model is defined by two 
parameters, 𝜙𝑟  and 𝛤, with 𝛤 = 0.8 was used in this study. Unless stated otherwise, a residual 
porosity fraction of Φr = 0.8 was used in the simulations. A lower value (Φr = 0.1), corresponding 
to a 90% loss of the initial porosity before permeability vanishes, was applied only in selected 
sensitivity cases to avoid premature reservoir blockage and allow continued simulation of salt 
precipitation patterns. Results obtained using Φr = 0.1 are therefore not directly comparable to 
those generated with Φr = 0.8, as the lower residual porosity significantly alters the permeability–
porosity relationship and injectivity response. Further discussion regarding these modelling 
choices is provided in the Supplementary Material (Fig. S2; available online).   

2.3. Physical Model 
The reservoir model in this study features a 2D axisymmetric geometry located at a depth of 2100 
meters with a thickness of 44 meters, and a radius (R) of 10 km. The upper and lower boundaries 
are defined as no-flow boundaries, representing impermeable caprock and base rock conditions. 
CO2 is injected at the left boundary at a prescribed constant mass injection rate. The right 
boundary is defined by a constant-pressure condition equal to the initial reservoir pressure, 
ensuring that the model represents a semi-infinite reservoir domain without artificial boundary 
effects. All simulations were performed under isothermal conditions, at 60°C. Porosity is assumed 
constant at 0.2, while the absolute permeability (K) ranges from 15 to 1500 mD, with a base-case 
value of 150 mD. The reservoir contains brine with a salinity of 15 wt% NaCl.  

The model discretization scheme is presented in Figure 2. Vertically, the domain is divided into 22 
uniformly spaced grid cells, each with a thickness of 2 meters. Radially, the model is discretized 
using a non-uniform grid system, with finer grid cells near the wellbore (10 cm to accurately 
capture near-wellbore processes) that progressively increase in size with radial distance into the 
reservoir. Salt concentration profiles are typically shown along the bottom and top boundaries of 
the model domain, indicated by blue and green lines, respectively. The top profile (green line in 
Figure 2) is extracted 1 meter below the reservoir top, while the bottom profile (blue dashed line 
in Figure 2) is extracted 1 meter above the reservoir bottom.  

3. CHARACTERIZATION OF CAPILLARY-VISCOUS-GRAVITY EFFECTS 
IN 3D FIELD-SCALE MODELS 

We perform a series of test cases to build a systematic understanding of salt precipitation in a 3D 
field-scale setting. Simulations are first performed for a homogenous reservoir to facilitate 
interpretation of the results in terms of the Ca, Bo, and Gr dimensionless numbers. The test cases 

 

Figure 2: Schematic illustration of model dimensions and the mesh used for numerical simulation. 
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are grouped according to the dominant force balance investigated, with a base case, capillary-
controlled cases, and gravity-controlled cases. A complete description of all cases and parameters 
is provided in Table S2 in the Supplementary Material (available online). 

3.1. Capillary number test case  
The relative strength of the capillary and viscous forces influences salt precipitation behavior, as 
previously observed in one-dimensional core-flood experiments in the absence of gravity (1, 6, 12, 
39). Here, we extend this analysis to the field scale by systematically varying the Ca number. This 
is achieved by independently varying the injection rate (11, 1.1, 0.11 kg/s) and permeability (15, 
150, 1500 mD), resulting in a total of 9 test cases. 

3.2. Gravity number test case  
Gravitational effect is important at the field scale and competes with viscous force in controlling 
gravity override and vertical fluid segregation. The impact of fluid segregation on salt precipitation 
is investigated by testing a range of gravity numbers (Gr).  Eight additional cases are derived by 
varying entry capillary pressure (Pcr = 0.002, 0.2, and 20 kPa) and gravitational acceleration (g = 0, 
1, and 10 m/s²). Although values of g < 10 m/s2 are not physical, varying g is used here as a 
numerical device to span a range of the gravity force; equivalent gravity numbers could 
alternatively be achieved under realistic conditions by varying parameters such as the CO2-brine 
density difference. Note that a reduced injection rate (1.1 kg/s) is used in these cases to maintain 
realistic input variables across all test cases.  

3.3. Results 
The results are first presented for homogeneous reservoir models to establish the role of capillary, 
viscous and gravity forces using Ca–Gr analysis. The framework is then extended to more realistic 
scenarios by including wellbore effects and reservoir heterogeneity, and their implications for salt 
precipitation and injectivity are discussed. 

3.3.1. Ca number analysis 
The effect of Ca number on salt saturation profiles has been studied in detail using the Base case 
and Ca1_0.1R, representing high- and low-Ca conditions, respectively (the injection rate is reduced 
by one order of magnitude in Ca_0.1R). In this study, salt concentration refers to the volumetric 
fraction of pore space occupied by precipitated solid salt formed by brine evaporation during CO2 
injection. Salt concentration profiles extracted along the topmost and bottommost horizontal 
layers of the reservoir are shown in Figure 3a. The locations of the top and bottom lines have 
been shown in Figure 2.  

Four key features are observed: 1) a reduction in viscous force (lower Ca) significantly increases 
salt precipitation near the wellbore; 2) the salt distribution shifts from being relatively uniform in 
the Base Case to becoming localized away from the wellbore in Ca1_0.1R; 3) for the low-Ca case, 
salt precipitation is higher along the bottom layer than along the top layer, whereas the two 
profiles are nearly identical in the high-Ca case; and 4) a higher Ca number (Base case) leads to a 
greater lateral extent of salt precipitation (approximately 5 m), compared to about 2 m for the 
low-Ca case. 

The associated gas saturation and salt precipitation within the 25 m region near the wellbore, 
illustrated in Figure 3b-e, indicate that low-Ca (Ca1_0.1R) exhibits stronger gravitational override 
and fluid segregation than the Base Case. Reduced viscous force enhances capillary-driven brine 
backflow toward the dry-out region near the bottom of the reservoir, resulting in increased salt 
precipitation. Localized salt precipitation can act as a flow barrier, forcing CO2 upward and 
enhancing gravity override. This localization is not observed in the Base Case, indicating that it 
arises from the combined dominance of capillary and gravity forces relative to viscous force. 
Although the Bo number remains greater than unity in both cases, our analysis indicates that 
capillary-driven brine backflow and associated salt precipitation near the wellbore are primarily 
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controlled by the Ca number, whereas Bo mainly governs the large-scale vertical segregation 
away from the injection point.  

 
Comparison of salt concentration profiles of different Ca test cases (Figure 4) reveals important 
observations. First, we observe that salt precipitation patterns are identical for a given Ca number. 
It is worth noting that these identical salt profiles also correspond to identical Gr and Bo numbers.  
Second, salt precipitation at the inlet increases as Ca decreases, due to increased capillary 
backflow at lower Ca. The lowest Ca tested (Ca = 0.05) leads to complete blockage of the inlet. In 

 
(a) 

 

 

 

(b) (c) 

 

 

 

(d) (e) 
Figure 3: (a) Salt saturation profiles along the bottommost (lower line) and topmost (upper line) 
horizontal layers of the reservoir for the Base Case and Ca1_0.1R. Distance is measured radially from 
the wellbore. (b) Base Case: salt precipitation within 25 m of the wellbore, (c) Base Case: Gas 
saturation distribution (d) Ca1_0.1R: salt precipitation within 25 m of the wellbore, (e) Ca1_0.1R: Gas 
saturation distribution. 
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all cases, observed trends with Ca are consistent with behavior previously studied in one-
dimensional systems (1, 19, 25).  

Examining three-dimensional effects reveals that salt concentration profiles exhibit a clear 
dependence on both Ca and Gr, while remaining independent of Bo, which is constant across all 
cases shown in  .  Further study of the Bo number is shown in Figure S5 in the Supplementary 
Material (available online). Across all cases, decreasing Ca leads to increased salt precipitation 
near the wellbore, reflecting enhanced capillary-driven brine backflow under reduced viscous 
force. At the same time, increasing Gr promotes the development of localized salt precipitation 
away from the wellbore, indicating a stronger influence of gravity-driven fluid segregation. 
Referring to the formulations of Ca and Gr, both parameters are associated with a reduction in 
viscous dominance, albeit through different mechanisms. The most pronounced behavior is 
observed in cases where low Ca and high Gr occur simultaneously (blue curves), for which both 
near-wellbore salt accumulation and strong localization away from the wellbore develop. In these 
cases, salt precipitation becomes extensive across the near-wellbore region, resulting in an almost 
uniform, high-magnitude salt concentration profile. 

3.3.2. Synthesis of results in Ca-Gr space 
In the previous test cases, we clearly identified the influence of the Ca on the magnitude of salt 
precipitation near the wellbore. However, the dominant force governing the development of 
localized salt precipitation away from the wellbore could not be isolated based on that test design 
alone. To address this limitation, we extend the analysis by jointly examining the effects of the Gr 
and Ca. In addition, a dedicated sensitivity analysis was performed in which the Bo was varied 
independently. These results demonstrate that Bo does not control either near-wellbore salt 
precipitation or the development of localized salt precipitation away from the wellbore. To create 
a more complete picture of the Gr-Ca space, we performed additional simulations described 
earlier (cf. Table S2 in the Supplementary Material, available online), covering a wider range of 
parameters. We also collected available results from the literature (15) that indicate salt 

 

Figure 4: Comparison of salt saturation profiles along the bottommost (thick line) and topmost (thin 
dashed line) layers of the reservoir. Corresponding Ca, Bo, and Gr numbers are mentioned in each 
plot. Note that in some cases, the profiles along the top and bottom lines are indistinguishable. 
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localization in 3D field-scale simulations. Details on the estimates of Ca, Bo, and Gr from the 
literature and the cases used here are provided in Table S3 (Supplementary Material, available 
online). 

Figure 5 synthesizes all results from the present study, together with available literature data, by 
mapping the occurrence versus non-occurrence of salt localization in the Gr-Ca parameter space. 
In this work, salt precipitation is classified as ‘localized’ when a distinct salt accumulation away 
from the wellbore inlet is formed, driven by vertical fluid segregation, rather than salt precipitation 
confined to the near-wellbore dry-out zone. Salt localization (triangles) is observed for cases with 
relatively high Ca and intermediate Gr values, approximately within the region 0.2 < Gr < 1 and Ca 
> 1, while non-localized behavior occurs outside this region. These boundaries should be 
interpreted as indicative regime limits rather than sharp thresholds, as the classification is based 
on the actual Ca and Gr values associated with each case (see Table S3 in the Supplementary 
Material, available online). 

The results indicate that localized salt precipitation is associated with conditions where the gravity 
effect becomes comparable relative to viscous force, allowing vertical fluid segregation to 
develop, while capillary force is not sufficiently strong to suppress this segregation. Under such 
conditions, capillary backflow cannot prevent the formation of dry-out zones away from the 
wellbore, leading to localized salt precipitation deeper in the reservoir.  

Two additional regimes are identified: a capillary-dominated regime (Ca < 1), characterized by 
severe salt precipitation near the inlet (circles) and a viscous-dominated regime (Ca > 1 and Gr < 
0.2) where salt precipitation remains relatively uniform and limited in magnitude across the 
reservoir height (squares). We note two important points. First, the combined Gr-Ca controls on 
salt localization are an additional effect to the previously reported impact of Ca on salt 
precipitation at the inlet. One may consider these processes independent of each other, unless Ca 

 

Figure 5: Ca versus Gr number map illustrating salt precipitation behavior. Triangles indicate cases 
with localized salt precipitation, circles represent inlet blocking, and squares correspond to minimal 
or non-localized salt precipitation. Results from Kim et al. (15) are shown with dashed shading. The 
blue region highlights the parameter range in which salt localization is observed.  
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is so low that it leads to total blockage at the inlet at an early stage. Second, we exclude cases in 
the region Gr > 1 and Ca > 1 in this analysis as this would entail unphysical reservoir properties. 

4. APPLICATION TO REALISTIC RESERVOIR CONDITIONS 
The Ca-Gr characterization for homogeneous systems is extended here. Heterogeneity introduces 
spatial variability in Ca and Gr numbers through variations in the formation's permeability and 
capillary pressure. Local Ca and Gr values can also be impacted by differences in injection along 
sections of the well that experience lower resistance to flow. This section studies the additional 
impact of heterogeneity and variable wellbore/inlet flow on salt precipitation.  

All cases in this section use a wellbore model that allows injection rates to vary with the local 
pressure gradient along different vertical sections of the inlet, which adds complexity to the flow 
conditions compared to the uniform flow conditions assumed in the previous test cases. Following 
the methodology of Pruess & Müller (31), we explicitly incorporate the wellbore model into 
TOUGH2. In this approach, a single cell is designated as the wellbore, and the total injection rate 
is dynamically distributed among the adjacent cells along the vertical extent of the well according 
to local phase mobility and pressure gradients.  This approach represents a single vertical well 

interacting with multiple reservoir layers. Whereas, in the uniform injection cases, the total 
injection rate is evenly divided among the reservoir cells along the vertical extent of the model, 
such that each cell receives the same prescribed injection rate, independent of local mobility and 
pressure conditions. 

To assess the impact of wellbore coupling, we compare a uniform-injection base case with a 
wellbore-coupled case (Case1_W), in which all injection cells are replaced by a single wellbore cell. 
As shown in Figure 6, although the lateral extent of CO2 saturation remains similar between the 
two cases, the distribution of salt precipitation near the wellbore differs markedly due to the 
redistribution of injection rates (Fig. 7). Under uniform injection, salt precipitation is vertically 
uniform along the inlet, whereas inclusion of the wellbore leads to broader salt accumulation 
toward the top of the reservoir. 

Salt saturation profiles extracted along the bottom and top layers (Fig. 7a,b) show that, in the 
wellbore-coupled case, the bottom layer develops a distinct salt accumulation peak away from the 
wellbore, indicating localized salt precipitation not observed under uniform injection. This 
behavior is consistent with enhanced gravity-driven segregation when viscous force is reduced. 

 
(a) 

 
(b) 
Figure 6: Gas saturation distribution in the reservoir: (a) uniform distribution and (b) including 
wellbore. 
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In contrast, the top layer exhibits a broader lateral extent of salt precipitation due to increased 
local injection rates. 

Analysis of the time evolution of layer-specific injection rates (Fig. 7c,d) shows that, with wellbore 
coupling, injection rates decrease over time in the bottom layer and increase in the top layer as 
flow redistributes according to local pressure gradients and mobility. In the bottom layer, reduced 
injection rates lower the viscous 
force while the gravitational force 
remains unchanged, increasing the 
Gr number and promoting salt 
localization. Conversely, increased 
injection rates in the top layer 
enhance viscous force and increase 
Ca, leading to reduced salt 
precipitation and wider lateral 
spreading.  

4.1. Realistic test case 
set-up  

The first case (4B_Layered) 
introduces three permeability 
layers (15, 150, and 1500 mD) into 
the homogeneous base case 

  
(a) (b) 

  
(c) (d) 
Figure 7: Effect of coupling wellbore-reservoir on salt precipitation and injection rates: (a-b) show 
salt precipitation profiles along the bottommost and topmost layers of the reservoir, (c-d) show the 
corresponding time evolution of the injection rates. 

 

 

Figure 8: Capillary pressure curves used in 4D_Layered_JF 
for different layers with different permeabilities.  
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reported in the Ca number analysis. For this case, a single capillary pressure curve corresponding 
to the base permeability (K = 150 mD) is applied uniformly to all layers, as shown by the middle 
curve in Figure 8Error! Reference source not found.. The second case (4C_Equil) is identical to 
4B_Layered but uses an equivalent homogeneous permeability defined as the arithmetic average 
of the layered permeabilities. An additional case (4D_Layered_JF) considers heterogeneity in the 
capillary pressure function as an added effect for the layered permeability case (4B_Layered). In 
this case, the capillary pressure for each layer is scaled by the Leverett J-function (Eq. 4), 

where√
𝐾𝑏𝑎𝑠𝑒

𝐾𝑙𝑎𝑦𝑒𝑟
 is used to reflect the permeability differences, with resulting curves shown in Figure 

8.  

Although the Leverett J-function scales the magnitude of capillary pressure as a function of 
permeability and porosity, the irreducible water saturation (Slir = 0.30) was kept constant across 
all layers. This choice was made to avoid altering the amount of available brine and dissolved salt, 
which would directly affect the total salt precipitation. By keeping Slir fixed, the analysis isolates 
the impact of capillary pressure magnitude on flow redistribution and salt precipitation patterns, 
without introducing artificial differences in salt availability between layers. 

 
The final case (4E_random) employs a random permeability distribution to investigate the 
influence of flow pathways between layered and randomly distributed permeability fields. The 
random permeability field is generated by assigning permeability values selected from three 
discrete values (15, 150, and 1500 mD), with spatial distribution controlled by a horizontal (radial) 

correlation length of 10 meters, while no vertical correlation is imposed. The permeability fields 
for layered and random case are shown in Figure 9. For the layered and random cases, the 
horizontal length scale of the permeability variability is significantly larger and significantly 
smaller, respectively, than the simulated domain.   

4.2. Results for layered permeability with and without capillary 
heterogeneity 

Figure 10 compares the layered permeability case without capillary heterogeneity (4B_Layered) 
and the layered case with capillary heterogeneity introduced via the Leverett-J function 
(4D_Layered_JF). In Figure 10a and b, we observe that the pattern of CO2 flow and resulting salt 
precipitation is affected by the contrast in high- to low-permeability layers. CO2 flows more easily 

𝑃𝑐 = √
𝜙𝑙𝑎𝑦𝑒𝑟𝐾𝑏𝑎𝑠𝑒

𝜙𝑏𝑎𝑠𝑒 𝐾𝑙𝑎𝑦𝑒𝑟  
 𝑃𝑐

0(𝑆𝑤) 
 

(4) 

 
(a) 

 
(b) 

Figure 9: Permeability distribution within the reservoir for (a) layered cases, where permeability 
varies stratigraphically, and (b) randomly distributed permeability. 
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in the higher-permeability layers, which promotes increased flow in the wellbore model. The 
additional impact of heterogeneity in capillary properties for the layered system (4D_Layered_JF) 
shows an overall consistent trend compared to the layered case without capillary heterogeneity 
(4B_Layered), but with a greater lateral extent of the CO2 plume. This behavior can be attributed 
to the lower capillary entry pressure in the high-permeability layer after modification using the 
Leverett-J function.   

The combination of higher permeability and variable wellbore flow results in higher flow rates in 
the higher permeability layers in both cases (Fig. 10c,d). Here, we see that flow rates in high-k 
layers are 10 times higher than in low-k layers. We note that this nominal flow rate increase is 
outweighed by a two orders-of-magnitude difference in permeability between high- and low-k 

 

 
(a) 

 
(b) 

 

 

 

 
(c) (d) 

Figure 10: CO2 saturation along the model and salt distribution within the zoomed near-wellbore 
region (50 m) for (a) 4B_Layered and (b) 4D_Layered_JF. (c) Comparison of flow rate distribution 
within the top three layers for 4B_Layered (solid) and 4D_Layered_JF (dashed line). (d) Comparison 
of the total mass of precipitated salt across layers with different permeabilities.  

10 
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layers. Thus, the Ca number in the high-permeability layers is significantly lower compared to the 
lower-permeability layers. As expected from our prior Ca-number analysis, more salt precipitation 
occurs in the high-k layers.  

Both layered cases exhibit some salt localization in deeper high-k layers, which we attribute to Gr-
Ca numbers in the regime shown in Figure 5. We observe that the case with capillary 
heterogeneity additionally leads to salt localization towards the top of the reservoir. Drawing from 
earlier discussion, this result indicates that capillary heterogeneity leads to a greater influence of 
gravity in the viscous-dominated regime. We recall that as salt precipitates preferentially in the 
high-k layers, the permeability declines and flow rates decrease (Fig. 10c) and flow is diverted into 
the lowest permeability layers as a result (due to the wellbore model). The larger reduction in flow 
rate in the high-permeability layers in the case of capillary heterogeneity leads to a stronger 
decrease in local Ca and an increase in local Gr, shifting the system into the Gr–Ca regime 
associated with salt localization.  

The differences in local flow dynamics and associated salt precipitation due to modification of 
capillary properties have only a minor impact on total salt precipitation (Fig. 10d). The total 
amount of salt precipitation remains nearly unchanged (456 kg in 4D_Layered_JF and 447 kg in 
4B_Layered). There is a notable increase in the amount of salt observed in the middle layer (from 
76 kg in 4B_Layered to 90 kg in 4D_Layered_JF), even though the capillary properties remain the 
same. One would expect larger differences in total salt precipitation with varying capillary 
properties, given the local differences observed in Figure 10b. It is likely due to the ability of the 
well to divert flow in response to permeability changes, which has the effect of balancing out local 
differences. It can be interpreted as a tendency for the system to spread salt precipitation more 
uniformly. Confirmation of this link would require additional study beyond the scope of this work.   

4.3. Results of the random permeability case 
CO2 injection with salt precipitation into a random permeability field (cf. Fig. 9b) results in a more 
vertically distributed saturation front, with fewer preferential flow pathways of the layered cases. 

 
(a)  

  
(b) (c) 

Figure 11: (a) Gas saturation distribution; (b) salt precipitation in a zoomed area of 50 meters 
near the wellbore; (c) accumulated salt precipitation over time in different layers. 
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As a result, the CO2 plume extends laterally over a shorter distance (Fig. 11a) a) compared to the 
layered cases (Fig. 10a). Notably, salt precipitation near the wellbore exhibits a different pattern, 
becoming highly localized in certain regions (Fig. 11b) b). As observed in previous cases, salt 
precipitation still occurs predominantly in high-permeability areas (Fig. 11c). 

Over the one-year injection period, the total salt precipitation in 4E_random reaches 
approximately 449 kg, closely matching the total amounts in 4B_Layered (447 kg) and 
4D_Layered_JF (456 kg). However, the distribution of salt across different permeability regions is 
more uneven: 312 kg precipitate in the high-permeability zones, 122 kg in the middle-permeability 
zones, and only 14 kg in the lowest-permeability regions (Fig. 11c). While calculating the Ca and 
Gr numbers for individual cells presents challenges, the overall trend persists: high-permeability 
areas correspond to lower Ca numbers, which results in higher salt precipitation. On the other 
hand, as injection continues, higher salt precipitation in high permeable regions reduces the 
permeability, diverts flow into other regions, increases Gr number and consequently shifts salt-
precipitation pattern from uniform to localized precipitation, as observed in Figure 11b. This is 
consistent with earlier findings. 

5. DISCUSSION 
This study provides new insights into the complex interactions among viscous, capillary, and 
gravity forces governing salt precipitation during CO2 injection using dimensionless parameters. 
It is well established through core flooding experiments and 1D numerical simulations that the 
competition between viscous and capillary forces is the dominant factor controlling salt 
precipitation at the inlet. Our study confirms that the Ca-dependency for salt precipitation at the 
inlet in 1D linear systems also holds in 3D radial models (1, 19, 25). Furthermore, our study 
provides additional insights into gravitational and heterogeneity effects that can only be captured 
in 3D field-scale simulations and are inherently absent in 1D systems. 

First, gravity plays a significant role alongside viscous and capillary forces, influencing the vertical 
spatial distribution of salt precipitation not observed in core floods. Second, radial flow conditions 
cause a gradual reduction in the viscous force relative to capillary and gravity forces with 
increasing distance from the wellbore. Third, reservoir heterogeneity introduces further 
complexity by locally enhancing or suppressing different forces, thereby altering their relative 
strength of the forces over time and space. 

A key observation from our study is that localized salt precipitation can occur when the 
gravitational force dominates. Importantly, under specific conditions, the amount of precipitated 
salt inside the reservoir can exceed that at the inlet. An internal barrier builds up, driving CO2 
upward and reducing reservoir sweep. While previous numerical studies have reported this 
phenomenon, its governing mechanisms and the conditions under which different salt 
localizations emerge had not been systematically investigated. Our novel findings demonstrate 
that a combination of Ca and Gr is needed to predict and manage salt precipitation patterns more 
generally. The Ca number controls salt precipitation near the wellbore, and the Gr number 
controls the occurrence of localized salt precipitation. The proposed approach has been tested 
against results from the literature, confirming its applicability under different reservoir conditions. 

Applying this approach in heterogeneous reservoirs is challenging, as calculating Ca and Gr values 
for each region is difficult due to spatial variations in permeability and flow paths. However, our 
results show that the general trends of salt precipitation with respect to Ca and Gr remain 
consistent with those in homogeneous systems. The total salt precipitation is nearly identical 
among different heterogeneous settings, as it primarily depends on the amount of dry CO₂ that 
contacts brine. However, the spatial distribution of precipitated salt and consequently injectivity 
loss is controlled by different factors, including flow dynamics and reservoir properties, especially 
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capillarity and heterogeneity. Capillary force plays a significant role in the amount of salt 
precipitation in the vicinity of the wellbore through the capillary backflow mechanism.  

Injection pressure profiles from different cases suggested that an equivalent homogeneous 
medium can effectively reproduce the pressure response of layered heterogeneous models, while 
it is not applicable for the random heterogeneous model (see Fig. S7 in the Supplementary 
Material, available online). In a random permeability field, flow paths are generally more 
tortuous. When salt blocks the high-permeability zones, CO2 flow is forced into the low-
permeability zone, thereby increasing injection pressure.  

Proper wellbore modeling, particularly its coupling with reservoir flow, is another critical factor 
influencing salt precipitation. Flow distribution along the reservoir height is naturally governed by 
pressure gradients, with flow preferentially following the least-resistant pathways (i.e., high-
permeability zones). In high-permeability layers, lower capillary numbers promote greater salt 
precipitation, redirecting flow into low-permeability layers. Therefore, the combined effect of 
reduced transmissibility in high-permeability layers and increased flow through low-permeability 
regions leads to higher injection and drawdown pressures. This behavior has been confirmed by 
wellbore imaging from the Aquistore project in Canada (35), providing field-scale observations 
which can support our findings. 

The main findings of this study may be affected by other secondary assumptions and modeling 
choices, such as isothermal conditions. Ignoring temperature variation leads to ignoring variation 
in CO2 properties, which could affect the gravity number (density) and capillary number (viscosity). 
The temperature variation may occur as CO2 flows through surface facilities, along the wellbore, 
and across perforations. Such transient thermal effects have been addressed in numerical studies 
(40) and documented through field observations, e.g., at the Aquistore site (32). Strong thermal 
changes induced by injection are not common in GCS except in the case of injection into depleted 
reservoirs (41).  

The injectivity analysis can be highly sensitive to the choice of permeability-porosity relationship 
(44). Relevant data are scarce, and more systematic experimental measurements should be 
conducted on representative reservoir rocks to improve understanding of permeability reduction 
due to salt precipitation. 

Future work could build on the present findings by quantitatively linking salt precipitation patterns 
to injectivity metrics under more realistic settings. In particular, comparing injectivity indices for 
cases with localized salt precipitation versus more uniformly distributed salt precipitation would 
provide valuable insight into operational consequences. Such analysis would require 
experimentally constrained porosity–permeability relationships to accurately capture 
permeability impairment due to salt precipitation, as well as a systematic exploration of 
gravitational and capillary effects under transient conditions. Extending the present framework in 
this direction would help translate regime-based insights into predictive tools for injection 
performance and risk management in large-scale CO2 storage operations. 

6. CONCLUSION 
This study successfully characterized the viscous, capillary, and gravity controls on salt 
precipitation patterns during CO2 injection. Three distinct regimes are identified in Ca-Gr 
dimensionless space which help differentiate between flow conditions that lead to severe blocking 
in a capillary-dominated regime versus formation of localized salt barriers within the reservoir in 
a gravity-dominated regime. The results show that the injectivity impairment due to salt 
precipitation can be minimized when the Ca number is high and Gr number is low. These findings 
hold generally for heterogeneous reservoirs, with additional small-scale complexity emerging as 
heterogeneity increases. Future experimental investigations are needed to better constrain 
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capillary pressure behavior in CO2-brine systems under dry-out conditions (Sw < Swir), particularly 
to validate and refine Pc modelling approaches used during salt precipitation.  

Using dimensionless parameters such as Ca and Gr is beneficial to summarize complex 
interactions, and it highlights that proper consideration of both reservoir (e.g. heterogeneity, 
capillary pressure, temperature and pressure) and operational conditions (e.g. injection rate) is 
essential for a successful project design. For example, high-permeability reservoirs, which may 
initially seem favorable for CO2 injection, can still experience severe injectivity impairment if 
injection rate is not sufficiently high.  

Within the Ca–Gr framework, a transition from localized to more uniformly distributed salt 
precipitation can be expected if operational conditions shift the system toward a viscous-
dominated regime. For example, increasing the injection rate raises the Ca and decreases Gr, 
strengthening viscous force relative to capillary and gravity forces, which reduces capillary 
backflow and suppresses gravity-driven segregation. Similarly, injecting CO2 at a lower 
temperature decreases fluid density contrasts, thereby reducing the Gr and weakening buoyancy 
effects. Under such conditions, salt precipitation is more likely to remain confined near the 
wellbore or be distributed more uniformly across the reservoir thickness rather than forming 
localized barriers deeper in the formation. This illustrates how operational adjustments can 
potentially mitigate salt localization and associated injectivity impairment. 

These findings can be applied in industrial project design in developing optimized injection 
strategies, including dynamic flow rate adjustments to mitigate the risk of injectivity impairment 
in large-scale CO2 storage operations. 
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